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Abstract 

Knowledge of the properties that govern the flow of fluids through a petroleum reservoir is very critical 
to understanding flow dynamics at the pore-scale and designing of efficient oil recovery plans. In this 
work, we used 3-D X-ray images of the rock microstructure of the Agbada sandstone reservoir in the 

Niger Delta of Nigeria used to determine the porosity, absolute permeability, and relative permeability 
by simulating fluid flow on 24 core samples using ImageJ software and the Lattice Boltzmann method, 
respectively. Obtained results were compared with laboratory measured values on the same core plug 
samples; good agreement was observed between the two sets of values. Wettability of the core sam-
ples was measured by the Amott imbibition method and characterized by Amott-Harvey indices. The 
results showed that samples exhibited water-wet characteristics, confirmed by analysis of the relative 
permeability curves. 

Keywords: Agbada sandstone; digital rock physics; X-ray micro-tomography; pore-network modelling; Lattice 
Boltzmann simulation. 

 

1. Introduction 

Reservoir simulations needed to evaluate different improved oil recovery options require 

input parameters such as porosity, relative permeabilities, capillary pressures, wettability, and 

other rock and fluid properties. These parameters are normally derived from core analysis 

(SCAL) tests that deal primarily with the laboratory determination of petrophysical properties 

of petroleum reservoir rocks. Core analysis experiments are time-consuming and often are not 

carried out at reservoir conditions with live reservoir fluids. However, this has been simplified 

by the application of computer in the analysis, which requires a minimum number of experi-

mental data. Successes in rock pore-space scanning and the use of very powerful, high-perfor-

ming computer systems have advanced the application of digital rock physics as a tool for the 

analysis of rock petrophysical properties, simulation of flow of fluids in a given porous medium, 

and as a back-up to laboratory experimental measurements [1]. Using high-performance com-

puters, a large number of reservoir core samples can be tested at a very short time, and 

petrophysical properties that otherwise will be difficult to determine with laboratory core ana-

lysis can now be estimated with a high degree of certainty [2-3].   

Geologists and petroleum engineers rely on recent advances in micro-imaging of natural 

rocks, combined with advances in pore-scale modelling and simulation to gain better insights 

into pore-level displacement mechanisms of fluids, relative permeabilities, capillary pressures, 

reservoir rock wettability, and waterflood oil recovery trend during petroleum exploration, 

production, and throughout the lifespan of the reservoir [4]. An understanding of the pore 

structure of petroleum reservoir rock is important in obtaining features which statistically 

describe the porous medium and is helpful in analyzing the effects of reservoir fluid properties 

on enhanced oil recovery efficiency. 
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Recently, high-speed digital computers have found wide application in two-dimensional 

image processing and classification techniques that are useful for predicting the properties of 

porous media. High-resolution micro-CT scans can be used for a range of applications in areas 

such as determination of porosity, specific permeability and formation factor, which are very 

vital for designing oil recovery processes. Permeability, for example, is a critical parameter in 

defining the flow capacity of a rock sample. It is a measure of the ability of a porous media to 

transmit fluids and is therefore critical for modelling fluid flow in porous media. Scan images 

of rocks and data obtained can show features such as grain size and shape, pore size and pore 

network, and potentially visualize fluids and their saturations within the rock system. Compu-

ter graphic presentations and statistical analyses can reveal significant trends in reservoir 

quality which are not readily extracted from numerical core data, especially in multi-well 

studies. Thus, a computer network modelling, where displacement is simulated through a 

lattice of pores connected by throats, would make predictions of the microscopic fluid 

distribution as they relate to macroscopic parameters a useful approach to obtain wettability 

index, rock micro-structure, multiphase flow and oil recovery data [5]. 

The application of network modelling to explore the effects of wettability on relative per-

meability and waterflood oil recovery was reported by Kovscek and co-workers [6]. Their work 

was a confirmation of other works already reported elsewhere [4,7-8]. A digital technique has 

been applied for directly imaging the pore-scale distribution of fluids in reservoir cores using 

high-resolution tomography and a newly developed 3D registration technique which allows 

perfect voxel alignment of a set of images of the same core [9]. Raeini and co-workers, using 

different rock systems at well-defined wettability states, air and water, demonstrated the 

applicability of the techniques to study the effect of pore-scale forces on the macroscopic 

behavior of multiphase flow in porous media. They used a new volume-of-fluid based finite 

volume method developed for simulating two-phase flow directly on micro-CT images of porous 

media [10]. Overall, their work presents a new finite volume-based methodology for the 

detailed analysis of two-phase flow directly on micro-CT images of porous media and up-

scaling of the results to the Darcy scale. Idowu and co-workers proposed an integrated metho-

dology for determining the pore-scale distribution of wettability of rock samples to guide pore 

network modelling [11]. Wettability was characterized by spatial registration of rock images 

from X-ray micro-computed tomography (MCT), Field Emission Scanning Electron Microscopy 

(FESEM), and Quantitative Evaluation of Minerals by SEM (QEMSCAN). Using mini-plugs of an 

outcrop and a reservoir sandstone drained and aged in oil, they carried out spontaneous and 

forced imbibition of brine and acquired x-ray tomogram after each preparation step. Obtained 

wettability information was then used to assign plausible wettability parameters to pores and 

throats of topologically equivalent networks. The simulated oil/water displacement results for 

the reservoir sandstone showed good agreement with available SCAL data.   

Detailed x-ray computed tomography studies of the geometry of petroleum reservoir rock 

pore space, and fluid flow properties have been carried out for relatively homogeneous networks 

(Fontainebleau, Berea, and Bentheim), which represent a few sandstone reservoir rock sys-

tems [12-14]. However, the advent of digital rock physics has made it possible to determine the 

pore structure of a wide range of rock samples using micro-CT imaging. Digital rock physics 

provides faster and better analysis of porous reservoir rocks [15].  

Despite the hydrocarbon resources potential of the Agbada petroleum reservoir rock, there 

is the absence of studies in literature dedicated to the determination of the petrophysical 

properties that govern the flow and transport of fluids through the porous system. In this work, 

the porosity, permeability, relative permeability and wettability of Agbada sandstone petro-

leum reservoir rock are determined using digital rock physics (DRP) analysis and laboratory 

core analysis methods. 

2. Agbada petroleum system  

The Agbada sandstone petroleum system is situated in the Gulf of Guinea in a rift triple junction 

related to the opening of the southern Atlantic. It started in the Late Jurassic to the Cretaceous 
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rock in the Niger delta, ranked among the major prolific deltaic hydrocarbon provinces in the 

world. It lies on the west coast of Central Africa (South of Nigeria) [16]. Petroleum in the Niger 

delta is principally produced from sandstones and unconsolidated sands predominantly in the 

Agbada formation. 

The delta is located in West Africa between latitude 30 and 60 N and longitude 50 and 80E 

(Figure 1). It is of the Eocene age with accumulated sediments well over 10 kilometers thick. 

It is one of the world’s most prolific petroleum producing tertiary deltas that accounts for about 

5% of the world’s oil and gas reserves and about 2.5% of the present-day basin areas on 

Earth [18-19]. To date, over 37 billion barrels of recoverable oil and 188 trillion standard cubic feet 

(SCF) of recoverable gas have been discovered. Mineralogy of the Agbada sandstone indicates 

the following: quartz ranges from 58 to 85%, albite from 16 to 24%, calcite from 2 to 6%, 

dolomite from 0.5 to 4%, kaolinite from 2 to 6% and muscovite from 0.5 to 3% [20]. 

 
 

Figure 1. Niger delta geological setting and 
location of major structural units [17] 

Figure 2. Lithostratigraphical cross section across 
the Niger Delta [18] 

The geology of the tertiary Niger delta is linked to three formations that represent pro-

grading depositional facies, identified primarily by sand-shale ratios. The delta’s sediments 

show an upward transition from marine pro-delta thick shales (Akata Formation) believed to 

be a potential source rock, through a paralic interval (Agbada Formation), the major petroleum-

bearing unit, which began in the Eocene and continues into the Paleocene to a continental 

Late Eocene to Recent sequence of alluvial and upper coastal plain sands (Benin Formation) 

that are up to 2 kilometres thick [21], Figure 2. These three sedimentary environments, typical 

of most deltaic environments, extend across the whole delta and ranges in age from early 

tertiary to resent. Structural traps are the most common traps in Niger delta system. However, 

stratigraphic traps are not uncommon. The structural traps developed during synsedimentary 

deformation of the Agbada paralic sequence. A variety of structural trapping elements exists, 

including those associated with simple rollover structures; clay filled channels, structures with 

multiple growth faults, structures with antithetic faults, and collapsed crest structures [19]. 

2.1. Properties of Oil in the Niger delta  

The physical and chemical properties of the oil in the Niger delta are highly variable. The 

oil has a gravity range of 16-50° API, with the lighter oils having a greenish-brown colour [22]. 

About 56% of Niger delta oils have API gravity between 30° and 40° [23]. The oils are divided 

into two groups. The first group is light paraffin based, waxy oils from deeper reservoirs, with 

wax content between 5% and 20%, but commonly around 5%, and high n-paraffin/naphthene 

of 0.86 [24]. The second group of oils are biodegraded and are found in shallow reservoirs, with 

lower API gravity, averaging 26° [25]. They are naphthenic non-waxy oils, with n–paraffin/ 

naphthene of 0.37. Biodegradation and washing in some Pleistocene sands of the Agbada 

formation result to formation of extra heavy oils, with API of 8-20°. Oils with less than 25° API 
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account for only 15% of the Niger delta reserves [23]. The concentration of sulphur in most oils 

is low, between 0.1 % and 0.3 % [26], with a few samples having concentrations as high as 

0.6 % [27]. 

In this paper, we study the petrophysical properties that govern the flow of fluids in the 

Agbada sandstone hydrocarbon system and its wetting tendency using conventional laboratory 

methods and digital rock physics analysis. This is significant because not much is available in 

the literature on the features that define its potentials as a world major hydrocarbon pool. 

This study will, therefore, provide and/or compliment whatever little data that exist in the 

public domain on this petroleum system 

3. Pore-scale simulation of transport properties 

Many hydrocarbon reservoir rocks have different orientations and matrix block sizes [28]. 

This creates complexity in multiphase porous media flow and makes modelling and calculation 

of transport properties very difficult. Laboratory experiments are slow and costly, and empi-

rical relations have not proved to be always effective for complex multiphase flow processes. 

With the increase in modern computing power, numerical simulation techniques have gained 

increased application as an alternative to solving porous media flow. The lattice Boltzmann 

method (LBM) is an attractive and powerful numerical tool that has found wide application for 

pore-scale simulation of multiphase flows in porous media [29-34]. LBM is used to simulate 

complex multiphase flows in domains with realistic pore geometries. In the LBM, simplified 

kinetic models are derived that incorporate the essential physics of fluid flow processes in the 

pore spaces of the rock microstructure to ensure that the macroscopic averaged properties 

are in conformity with the desired constitutive mathematical relationships. The LBM is simple 

in implementation and robust and has the capability to handle single-phase, two-phase and 

multi-component flows in complex three-dimensional geometries, such as porous media 

without over-simplification of the pore [35-41]. It can solve the Navier-Stokes equation accura-

tely with real pore geometries. It has been shown that the LBM can give an accurate solution 

equivalent to the one by the finite-element and finite-difference methods [38,42-43] without 

extensive meshing. Moreover, most operations in the LBM are local. Thus, it reproduces inter-

face between multiple phases with flexibility and is ideal for parallel implementation. Liu et al. [34] 

give a detailed review of some multiphase simulation models based on LBM that have been 

used to model flows at the pore-scale level. In this work, the lattice Boltzmann method (LBM) is 

used to simulate pore-scale flow for the permeabilities of the Agbada sandstone core samples. 

4. Experimental methods  

4.1. Core samples 

Experiments were performed on twenty-four (24) whole reservoir core samples taken from 

different oil bearing Agbada sandstone formations. The fields from which these samples were 

taken are identified as A to L. Two samples were taken from each field, representing various 

well depths and lithology. For example, cores A1 and A2 are taken from two oil wells at differ-

rent depths in a field.  

 

Fig. 3. Agbada sanstone reservoir core plugs used in this work 

Twenty four (24) core plugs of 

approximately 3 inches in length 

and 1.5 inches in diameter each were 

cut from these whole cores. Figure 

3 shows samples of the sandstone 

core plugs used in the experiments 

in this work. After trimming, the 

plugs’ edges were cleaned of fines 

using the Acetate Peel method.  
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4.2. Image scanning, segmentation, and network extraction 

In this work, 3D micro-CT images of the Agbada sandstone core samples were generated 

using a ‘v|tome|x’ high-resolution desktop scanner located in the XMT laboratory at the Depar-

tment of Materials, Imperial College London. v|tome|x, manufactured by Phoenix|x-ray in 

Germany is equipped with an image acquisition and processing software, SIXTOS, and a 100 

kV X-ray source. The X-ray images were generated at 90kV tube voltage, a current of 100 µA 

and a 0.5 mm Al filter. The rotation increment was 0.5 for a full 3600 rotation. The 16-bit 

digital X-ray detector of this system is a flat panel detector, Perkin Elmer RID 512-400, based 

on an 8” amorphous silicon sensor with a pixel size of 400µm and a field of view of 512 × 512 

pixels.  The micro-CT scans, therefore, provide gray-scale images, which relate to the density 

of the analysed material. 

The 3-D µCT grayscale images were segmented using thresholding along the image boun-

daries (edge thresholding) technique instead of the histogram thresholding method. It has 

been shown that histogram thresholding method results to porosity value higher than the real 

porosity of rock core samples [44-45]. Using this technique was therefore not considered 

accurate for calculation of porosity of the rock samples examined in this work. Thresholding 

along boundaries results in porosity values, closer to the real porosity of the rock. Therefore, 

this technique was recognized as the best for rock’s porosity evaluation. Segmentation is 

carried out to expose the rock mineral contents, clays and, principally, to distinguish grain (1) 

from pore space (0) or void [46-49]. The micro-CT images obtained were post-processed to give 

3-D digital models of the scanned rock samples for use in numerical fluid flow simulations to 

obtain permeabilities. Maximal ball algorithm was used to extract topologically equivalent 

network of the rock [50-51]. The extracted pore network was used to compute porosity, absolute 

and relative permeability and the results obtained were compared to laboratory measured 

values. The same core plugs used for image scan analysis were also used for laboratory 

measurements of porosity, absolute and relative permeability measurements. Properties of 

the fluids used in the experiments are shown in Tables 1 and 2. 

Table 1. Water composition 

Iron Na+ Ca2+ Mg2+ K+ Cu2+ Ba2+ SO4
2- Cl- 

Conc. (g/L) 77.8 24.1 3.1 2.8 0.002 0.179 0.13 151 

Table 2. Properties of crude oils 

Oil Sample Density 
(g/cm3) 

Viscosity @ 50oC, 
(cP) 

Acid number 
(mgKOH/g Oil) 

Base Number 
(mgKOH/g Oil) 

Bonny Light 0.8479 2.8 0.221 0.08 
Forcados Blend 0.8811 3.4 0.237 0.17 

4.3. Numerical calculations 

4.3.1. Porosity 

The x-ray images of the samples were exported to a computer, and MATLAB 7.0 Image 

Processing software was used to quantify the results. MATLAB Image Processing Toolbox™ 

provides a comprehensive set of reference-standard algorithms, functions, and apps for image 

processing, analysis, visualization, and algorithm development. We can perform image 

analysis, image segmentation, image enhancement, noise reduction, geometric transforma-

tions, and image registration. Many toolbox functions support multicore processors, GPUs, and 

C-code generation. Image Processing Toolbox supports a diverse set of image types, inclu-

ding high dynamic range, gigapixel resolution, embedded ICC profile, and tomographic. Visua-

lization functions and apps allow the exploration of images and videos, examine a region of 

pixels, adjust colour and contrast, create contours or histograms, and manipulate regions of 

interest (ROIs). The toolbox supports workflows for processing, displaying, and navigating large 

images. 
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Using the segmented version of the micro-CT-scan, total porosity is estimated by the equation:  

𝜑𝑡 =
𝑉𝑝

𝑉𝑟
                           (1) 

where 𝑉𝑝 is the pore space area in the segmented image and 𝑉𝑟 the total area of the rock matrix. 

In terms of dimensionality and pixel resolution, equation (1) is rewritten in terms of pixel 

count as: 

𝜑𝑡 =
𝑁𝑝𝑝

𝑁𝑡𝑝
𝑥100%                       (2) 

where 𝑁𝑝𝑝 is the pore space pixel count and 𝑁𝑡𝑝 the total number of pixels. 

As stated earlier, for comparison, the porosity of the rock core samples was measured in 

the laboratory using the helium porosimeter. This method relies on the expansion of helium 

gas, employing Boyle’s law in a closed system under isothermal conditions. Helium is most 

often preferred as the measurement gas because it is an inert gas, with creeping little molecu-

les that can penetrate even the smallest voids or pores without adsorbing on the rock surface. 

Table 3 shows the values of porosity measured in the laboratory and those calculated from 

the pore network and the corresponding calculated percentage errors or deviations for the 

dataset. 

Table 3. Experimental and calculated porosity values 

      Core ID 
Porosity 

A1 A2 B1 B2 C1 C2 D1 D2 E1 E2 F1 F2 

Network values 28.9 27.8 28.6 27.8 28.2 27.0 27.3 26.5 28.1 27.3 29.5 27.9 

Experimental 
values 

29.4 28.3 29.2 28.3 28.8 28.5 27.6 26.9 28.6 27.7 30.0 28.1 

% Error 1.7 1.8 2.1 1.8 2.1 1.8 1.1 1.5 1.8 1.5 1.7 0.7 

       Core ID 
Porosity 

G1 G2 H1 H2 I1 I2 J1 J2 K1 K2 L1 L2 

Network values 30.1 27.7 29.2 27.0 28.7 27.5 29.8 27.4 28.6 27.0 28.5 27.3 

Experimental 
values 

30.6 28.2 28.6 27.5 29.1 28.0 31.3 27.8 28.3 27.4 29.0 27.8 

% Error 1.7 1.8 (2.0) 1.9 1.4 1.8 1.7 1.5 (1.0) 1.5 1.8 1.8 

4.3.2. Absolute permeability  

Many workers have used Lattice-Boltzmann as a pore-scale numerical method, in conjunct-

tion with network modelling, to accurately estimate absolute and relative permeability [52-55]. 

In this work, the lattice Boltzmann method (LBM) was used to simulate fluid flow for the abso-

lute permeability of the core samples. Known for its ability to handle complex geometries 

(boundary conditions) LBM, compared to traditional computational fluid dynamics (CFD), models 

the fluid as consisting of fictitious particles performing consecutive propagation and collision 

processes on the discrete lattice mesh (voxel grids), rather than solving numerically for the 

conservation equations of mass and momentum without solving the Navier-Stokes equation 

directly at the continuum level [56-58]. Absolute permeability is then calculated using the same 

concept used in Darcy’s experiment and expressed by Darcy's law, written as:   

𝑄 =
𝑘𝐴

𝜇

(𝑃1−𝑃2)

𝐿
                         (3) 

where Q is the flow rate of the fluid through the porous medium (cm3/s); P1 is the fluid 

pressure at the inlet (Pa); P2 is the fluid pressure at the outlet (Pa); μ is the dynamic viscosity 

of the fluid (Pa.s); L is the length of the porous medium (m); k is the permeability of the 

sample (Darcy or m2); and A is the cross-sectional area of the sample (m2).  

Zhang et al. [59] used the Lattice Boltzmann (LB) method to solve for single-phase flow in 

complex geometries. Degruyter et al. [60] developed a tool based on LBM to calculate permea-

bility, with the application of the solver Palabos. The Palabos library is a framework for general-

purpose computational fluid dynamics (CFD), with a kernel based on the Lattice Boltzmann 

(LB) method. Its programming interface (C++) is straightforward and makes it possible to set 
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up fluid flow simulations with relative ease. From the simulation, permeability can be calcula-

ted by relating the total flux to the pressure gradient over the length of the sample using the 

following equation to conform to Palabos [61]: 

𝑘 =
〈𝑣〉𝜇

𝑑𝑃
𝑑𝐿⁄

                         (4) 

where 〈𝑣〉 is the average magnitude of the intrinsic velocity over the entire network or system. 

The 3-D 19 velocity (D3Q19) model [62] and the Parallel Lattice Boltzmann Solver, Palabos 

(http://www.lbmethod.org/palabos), with multiple relaxation time (MRT), periodic boundary condi-

tions and free fluid layer were applied to conduct the fluid flow simulation [63-64]. To calculate 

permeability in each direction (x, y, z), a no-flow (no-slip) boundary condition was imposed 

at the rock/fluid interface parallel to the main flow direction, and zero pressure gradients across 

the sample, i.e., fixed pressures at the inlet and outlet of the core sample, respectively. Experi-

mental measured absolute permeability and network simulated values are shown in Table 4. 

Table 4. Experimental and network simulated absolute permeability values 

         Core ID  
 
Absolute k(md) 

A1 A2 B1 B2 C1 C2 D1 D2 E1 E2 F1 F2 

Network simulation 
average values 

1791 1786 1780 1774 1654 1650 1589 1585 1761 1782 1782 1778 

Experimental values 1802 1794 1786 1780 1693 1655 1627 1669 1770 1766 1780 1782 

          Core ID  
 
Absolute k(md) 

G1 G2 H1 H2 I1 I2 J1 J2 K1 K2 L1 L2 

Network simulation 
average values 

1808 1773 1880 1765 1790 1703 1672 1610 1784 1708 1725 1681 

Experimental values 1813 1778 1884 1770 1802 1709 1676 1614 1789 1712 1710 1686 

4.3.3. Porosity/permeability cross-plots 

Next, the laboratory measured and network calculated porosity and permeability values are 

cross-plotted on a linear scale. The cross-plots are shown in Figures 5, 6 and 7.  

4.3.4. Relative permeability  

Relative permeability through reservoir rocks is affected by the pore space geometry, flow 

conditions, saturation history, and wettability. However, the relative permeability is assumed 

to be saturation-dependent only. The simulations are carried out using a 2003 sub-volume 

extracted from the CT scan of the Agbada rock. In this paper, a mixture velocity (with fixed oil/ 

water ratio) was imposed at the core inlet. The pressure at the outlet was also fixed, resulting 

in zero capillary pressure at the outlet. This boundary condition is widely used in special core 

analysis simulations. 

The fluid properties are indicated in Table 2, the interfacial tension between oil and water 

phases, σw,0, is 25 dynes/cm. An equilibrium contact angle of θ = 300 and a fixed capillary 

number, Ca, of 2.5 x 10-5, typical values used in experimental steady-state measurements, 

were assigned in this work. The core sample was initially filled with water. Once equilibrium 

was reached for every oil/water injection ratio regarding oil saturation So and pressure, the 

simulated relative permeability data for oil, krw and water, kro, were calculated using the Brooks- 

Corey-Burdine empirical relationship [65-66]: 
𝑘𝑟𝑤 = 𝑆𝑒𝑤

4 ,   
𝑘𝑟𝑜 = (1 − 𝑆𝑒𝑤)2(1 − 𝑆𝑒𝑤

2 ),                    (5) 

 𝑆𝑒𝑤 =
𝑆𝑤 − 𝑆𝑟𝑤

1 − 𝑆𝑟𝑤

 

where k𝑟𝑤 and k𝑟o are the water and oil relative permeability, respectively; 𝑆𝑒𝑤, 𝑆𝑟𝑤, and 𝑆𝑤 are 

the effective saturation of the water phase, residual saturation of the water phase, and the 

saturation of the water phase, respectively. 
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Figure 4. (a) 2-D cross-section of an Agbada core sample (sample B). Image size (in voxels) is 512 x 
512 x 400 mm, resolution is 8 microns. Actual image size is 4.1 x 4.1 x 3.2 mm3; (b) segmented image 

with the pore space in black and the solid in white. (c) 3-D image of the pore space after segmentation 
on a small volume of 2003 voxels (d) the extracted network [50] 

 

 

Figure 5. Experimental measured permeability/ 
porosity linear relationship of 24 core samples 
of Agbada sandstone formation 

Figure 6. Simulated permeability/porosity linear rela-
tionship of 24 core samples of Agbada sandstone 
formation 
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Figure 7. Combined experimental and simulated 
permeability/porosity linear relationship for 24 core 
samples of Agbada sandstone formation 

The simulation was carried out at very low 

fluid velocities to achieve low Reynolds numbers 

(Re) typical of Darcy (laminar) flow. The si-

mulated data were compared with the expe-

rimental data obtained from the same core 

samples using laboratory waterflood method [45]. 

Figure 8 shows the relative permeability 

curves for the two sets of data for oil (red and 

purple) and water (blue and green). The pur-

ple and green colour curves represent relative 

permeabilities calculated from the numerical 

simulation, while the red and blue colour cur-

ves represent the experimental data.  

4.3.5. Wettability measurement 

A lot of work exists in the literature on the importance and effect of wettability of reservoir 

rocks on the spatial distribution of fluids in a porous medium and on fluid transport properties, 

such as relative permeability, capillary pressure, enhanced oil recovery during water/gas in-

jection, irreducible water saturation and residual oil saturation [67-71]. This paper will not discuss 

these works but rather will characterise the wettability trend of the Agbada sandstone petro-

leum rock using the Amott-Harvey method and relative permeability curve analysis. In the 

Amott method, three deferent wettability indices were measured: 1) Water wettability index, 

Iw, which is the ratio of Vosi to (Vosi + Vofi); 2) Oil wettability index, Io, which is the ratio of Vwsi 

to (Vwsi + Vwfi); and 3) Amott-Harvey wettability index, Iw-o, which is the difference between 

Iw and Io. 

Five (5) reservoir rock core plug samples from different Agbada oil producing fields were 

used for spontaneous and forced imbibition process to determine wettability of the system. 

The samples were cleaned by Distillation/Extraction method [72] using a Dean Stark and Soxhlet 

Extractor. Toluene was used as the cleaning solvent. The cleaned samples were dried in an oven 

at a temperature of 1100C for 60 hours.  

Table 5. Measured properties of the core samples 

Core ID 
AO2 BI1 CG2 DY1 EM1 

Length, cm 7.78 7.80 7.76 7.81 7.82 

Diameter, cm 3.83 3.81 3.83 3.82 3.82 

Porosity. % 27.2 28.1 28.3 27.8 28.2 

Permeability, 

md 
1780 1688 1720 1675 1736 

 

Results of the porosity and absolute 

permeability of the samples measured 

in the laboratory are shown in Table 5. 

After preparation, the samples were 

restored to reservoir wettability state for 

spontaneous imbibition experiments. 

The clean and dry core plugs were first 

saturated with reservoir oil (Bonny Light 

Oil) in a vacuum pump setup for 1 hour. 

In order to restore reservoir wettability,  

the samples were then aged for 40 days by submerging in the reservoir oil at 900C. 

The fully saturated core plugs were placed in Amott imbibition cells under ambient conditions, 

surrounded by brine for 7 days to attain equilibrium. Brine imbibed into the matrix of the core 

plugs displacing oil, which ascends to a graded cylinder at the top of the cell. After equilibrium 

was reached the total volume of oil displaced with time was recorded for each system. The 

cores were then taken out of the cells, quickly dried, weighed and centrifuged for about 1 hour 

to force the remaining oil down to residual saturation. After that, the cores were saturated 

with brine at residual oil saturation, placed in Amott drainage cells and surrounded by oil for 

7 days to allow for spontaneous drainage. The procedure is summarized in the following 5 

steps: 

1) Establish Swir  
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2) Submerge the specimens in water and record the volume of oil produced 

3) Centrifuge the specimens in water and record the volume of oil produced 

4) Submerge the specimens in oil and record the volume of water produced 

5) Centrifuge the specimens in oil and record the volume of water produced  

Results of Amott-Harvey index measurements for five of the core plug samples are shown 

in Table 6 while a plot of spontaneous imbibition rates is shown in Figure 9 

Table 6. Results of the Amott-Harvey displacement index for the 5 core samples  

Core ID AO2 BI1 CG2 DY1 EM1 

Spontaneous oil production, (Step 2) 8.20 7.68 9.00 8.02 7.12 
Forced oil production, (Step 3) 1.78 1.92 0.90 1.04 0.12 
Spontaneous oil production, (Step 4) 0.2 0.12 0.09 0.04 0.14 
Forced water production, (Step 5) 8.7 6.64 7.84 6.10 6.86 
Water Wettability index 
Iw=2/(2+3) 

0.82 0.80 0.91 0.89 0.98 

Oil Wettability index 
Io=4/(4+5) 

0.02 0.02 0.01 0.01 0.02 

Amott+Harwey Index 
Iw-o=Iw-Io 

0.80 0.78 0.90 0.88 0.96 

 

 
 

Figure 8. Comparison of simulated and experi-
mental relative permeabilities 

Figure 9. Plot of spontaneous imbibition rates for 
the core samples 

4.3.6. Relative permeability and saturation curves 

In order to further validate the water-wet characteristics of the Agbada sandstone petroleum 

reservoir, plots of the results of the relative permeability measurements for the core samples 

before and after wettability alteration by aging were plotted. The plots are shown in Figures 

10 and 11.  

  

Figure 10. Plot of experimental relative permeability 
values before wettability alteration 

Figure 11. Plot of relative permeability after wetta-
bility alteration 
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5. Discussion of results 

Image scanning and experimental calculation methods have been applied to evaluate the 

porosity, absolute and relative permeabilities of the Agbada sandstone reservoir rock. Fluid 

flow was modeled on micro-CT images of core samples taken from the Agbada sandstone 

reservoir. The image scanning procedure is based on direct analysis of micro-CT 3-D images 

of the rock pore space. All the images have 512 x 512 x 400 mm voxels. The 3-D µ-CT images 

and the resulting pore network, generated using the maximal ball algorithm, are shown in 

Figure 3. Permeability was calculated from Darcy’s law using the flow rate, Q, the applied 
pressure gradient, ∆𝑃, viscosity of the fluid, μ, the length of the system in the main direction 

of flow over which pressure gradient was applied, Lx, and the area of the face normal to the 

main direction of flow, Ax. Resolution of micro-CT images used for flow simulation is 8 µm.  

Porosity values obtained by laboratory experiments and network calculations respectively 

are shown in Table 3. Comparing the two sets of data, it can be seen that the pore network-

calculated porosities are a little smaller than the porosities measured by laboratory core 

analysis. This is because only the porosity of connected pores and throats was counted by CT 

technique and liquids could not flow into some very small pores and throats. However, porosity 

calculated from analytical (laboratory experiment) and DRP simulations are generally in close 

agreement. This close match confirms the reliability of the data obtained by X-ray CT method. 

The same can be said for the absolute permeability values obtained by laboratory 

measurements which show reasonable agreement with the averaged pore network simulation 

values (Table 4). 

On Figures 5 and 6 it is observed that some of the data points on the porosity/permeability 

cross-plots deviate from the actual porosity and permeability of the samples. Despite the 

deviations, there is a distinctive trend that indicates a close match between the computed and 

the laboratory measured values (Figure 7). An important practical implication of this is that it 

is possible to obtain a valid permeability/porosity trend from small, statistically under-

representative micro-CT images of rock fragments that are unsuitable for standard laboratory 

measurements, particularly in unconsolidated and medium-consolidated sandstone formations 

by using a significant number of such small fragments. Then it may be possible to establish a 

suit of a site-specific permeability-porosity trend for estimating absolute permeability from 

independent porosity data, obtained from analysis of well logs or seismic data. 

The plots of simulated relative permeabilities and experimental relative permeabilities are 

shown in Figure 8. Analysis of the plotted relative permeability data for both cases shows that 

the pore network simulation results are in very close agreement with the experimental curves 

both for the cross-over points and the end-points.  

Spontaneous imbibition experiments were conducted on 5 core samples using the Amott-

Harvey method in order to characterize the wetting trend of the sandstone reservoir. The 

imbibition experiments show that the initial wettability of the reservoir core samples after 

restoration by aging exhibited water-wet characteristics. This is verified by the rock imbibing 

the pure reservoir brine spontaneously, indicated by the positive values of the Amott-Harvey 

indices (Table 6). The relative permeabilities of the wetting phase for brine system are lower 

than the relative permeabilities of the wetting phase for the oil system, while it is the opposite 

for the non-wetting phase relative permeabilities. This shows that altering the wettability of 

the core samples from water-wet to oil-wet increases the relative permeability of the wetting 

phase, indicating the effect of wettability alteration on oil recovery from the reservoir. As the 

water saturation increases, the water-to-oil relative permeability ratio increases. Also, the 

trend in relative permeability relationship to phase saturations observed in Figures 10 and 11 

shows that for all values of water saturation above the initial water saturation, the relative 

permeability to water decreases with increasing water-wetness. Beyond the cross-over values, 

the relative permeability to water at the same saturation increases while that to oil decreases 

towards zero. The cross-over saturations of the samples for water and oil are more than 0.5. 

This is considered as an indication of water wetness of the Agbada sandstone formation. 
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6. Conclusions 

This paper has carried out the study on the determination of the fluid flow properties of 

porosity, permeability, relative permeability and wetting characteristics of Agbada sandstone 

petroleum reservoir rock using digital rock physics analysis. Results show that the values of 

these properties obtained by pore network simulation are validated by laboratory experimental 

measured values. The mechanism of spontaneous imbibition of water by sandstone cores was 

also studied. Results indicate that the Agbada sandstone petroleum rock exhibited water-wet 

characteristics. 

Small fragments of medium- to high-porosity sandstones that are not statistically repre-

sentative of a larger sample is not adequate to be used to numerically calculate the true poro-

sity and permeability of the sample. However, using a large number of these small under-re-

presentative fragments, it is possible to establish a suit of a site-specific permeability porosity 

trend for estimating absolute permeability from independent porosity data, obtained from ana-

lysis of well or seismic data. 

The close match between the pore network-derived and experimental measured relative 

permeability curves is a confirmation of the capability of pore network/DRP simulations as a 

tool for accurate prediction of porous media properties. However, it must be stated that the 

results obtained in this work are not generally an accurate representation of the rock proper-

ties of the Agbada reservoir. Rather, they highlight the impact of digital rock physics in the 

characterization of the properties that govern the flow and transport of fluids in the porous 

medium. Additional samples of real and reconstructed rock samples need to be systematically 

investigated to accurately establish qualitative and quantitative trends in the geometric, trans-

port, and petrophysical properties of the rock and trends in storage capacity and flow efficiency 

of the Agbada petroleum rock system.  
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